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This article presents a fleet-wide model for energy planning that can be used to
determine the optimal structure necessary to meet a given CO2 reduction target while
maintaining or enhancing power to the grid. The model incorporates power generation
as well as CO2 emissions from a fleet of generating stations (hydroelectric, fossil fuel,
nuclear, and wind). The model is formulated as a mixed integer program and is used
to optimize an existing fleet as well as recommend new additional generating stations,
carbon capture and storage, and retrofit actions to meet a CO2 reduction target and
electricity demand at a minimum overall cost. The model was applied to the energy
supply system operated by Ontario power generation (OPG) for the province of On-
tario, Canada. In 2002, OPG operated 79 electricity generating stations; 5 are fueled
with coal (with a total of 23 boilers), 1 by natural gas (4 boilers), 3 nuclear, 69 hydro-
electric and 1 wind turbine generating a total of 115.8 TWh. No CO2 capture process
existed at any OPG power plant; about 36.7 million tonnes of CO2 was emitted in
2002, mainly from fossil fuel power plants. Four electricity demand scenarios were
considered over a span of 10 years and for each case the size of new power genera-
tion capacity with and without capture was obtained. Six supplemental electricity gen-
erating technologies have been allowed for: subcritical pulverized coal-fired (PC), PC
with carbon capture (PCþCCS), integrated gasification combined cycle (IGCC), IGCC
with carbon capture (IGCCþCCS), natural gas combined cycle (NGCC), and NGCC
with carbon capture (NGCCþCCS). The optimization results showed that fuel balanc-
ing alone can contribute to the reduction of CO2 emissions by only 3% and a slight,
1.6%, reduction in the cost of electricity compared to a calculated base case. It was
found that a 20% CO2 reduction at current electricity demand could be achieved by
implementing fuel balancing and switching 8 out of 23 coal-fired boilers to natural
gas. However, as demand increases, more coal-fired boilers needed to be switched to
natural gas as well as the building of new NGCC and NGCCþCCS for replacing the
aging coal-fired power plants. To achieve a 40% CO2 reduction at 1.0% demand
growth rate, four new plants (2 NGCC, 2 NGCCþCCS) as well as carbon capture
processes needed to be built. If greater than 60% CO2 reductions are required,
NGCC, NGCCþCCS, and IGCCþCCS power plants needed to be put online in addi-
tion to carbon capture processes on coal-fired power plants. The volatility of natural
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gas prices was found to have a significant impact on the optimal CO2 mitigation strat-
egy and on the cost of electricity generation. Increasing the natural gas prices resulted
in early aggressive CO2 mitigation strategies especially at higher growth rate
demands. VVC 2009 American Institute of Chemical Engineers AIChE J, 55: 3168–3190, 2009
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Introduction

A cost effective reduction strategy of greenhouse gas
emissions is vital to the national interests of many countries
to comply with international agreements to reduce green-
house gas emissions without losing their economic competi-
tiveness. Recent studies point to a broad array of emerging
carbon dioxide capture and sequestration technologies that
could help meet carbon dioxide emission goals for the next
century. This article proposes optimal solutions to effectively
manage carbon dioxide reduction, capture, and sequestration.
These carbon management solutions can include physical
and natural processes associated with decarbonization; car-
bon dioxide capture, transport, and sequestration; the use of
new and/or improved fuel sources (nuclear, fossil fuels,
renewables); improved efficiency of energy conversion and
utilization; economic and market analysis; and alternative
energy policy options.

In general terms, the carbon management problem
involves the energy conservation, process efficiency, fuel
switching, capture, transportation, and storage of CO2. For
instance, different processes can be used to effectively cap-
ture CO2 (absorption, adsorption, membrane separation,
cryogenic separation, etc.). Depending on the nature of the
gas stream and the method of capture used, additional treat-
ments might be required to render the stream appropriate, in
terms of purity, pressure, and temperature, to the anticipated
mode of transportation and intended storage site. This addi-
tional treatment can involve purification, pressurization, and/
or cooling. A number of choices are also available for CO2

transportation ranging from truck, rail, pipeline, or ship. If
transportation by pipeline is chosen as is often the case for
relatively large quantities of CO2, a decision must be made
on the optimal pipeline network that has to be built along
with decisions on which CO2 sources should supply which
storage site. Different types of CO2 storage can be consid-
ered: oil and gas reservoirs, coal beds, deep saline aquifers,
salt domes and rock caverns or even forests. There are also
a number of constraints that have to be taken into considera-
tion in order to be able to successfully formulate a carbon
management plan or framework. Among these are the physi-
cal constraints imposed by the CO2 production capacities of
CO2 sources and the storage capacities of the geological for-
mations into which the CO2 is to be injected. In situations
involving deep water, transportation by ship may be the only
alternative. There are also a number of economic constraints.
The economical ideal CO2 source is a single, stationary point
that generates a large volume of relatively pure CO2, and
that is close to the point of storage. An economically ideal
storage site for CO2, is a single point of large storage
capacity, generates revenues, and is close to the source(s) of
CO2.

The above discussion clearly illustrates the complexity of
the carbon management problem and the utility of a systems
approach. Only such an approach can take into account all
the interactions among the subproblems, the associated solu-
tion alternatives and lead to a successful solution.

A large number of studies appear in the literature that

deal with energy planning models. Jebaraj and Iniyan1 pre-

sented a comprehensive review of the literature on the vari-

ous emerging issues related to the energy modeling problem.

Gonzalez-Monroy and Cordoba2 presented a tool that opti-

mizes the energy supply system and which takes into

account financial costs, the consumption of primary energy,

and the amount of harmful emissions to the environment.

Oliverira and Antunes3 presented an input-output model for

evaluating interrelations between economic activities. Saeed

et al.4 focused on minimizing energy consumption at the

process level through the use of interprocess heat exchange.

Stefanis et al.5 focused also on process systems and pre-

sented a methodology that embeds LCA principles within a

formal process optimization framework. Looking at a

broader scale, Turkey and coworkers6,7 proposed a system-

atic framework that identifies the synergy among the energy

production systems of multiple process systems and which is

able to suggest improvements in financial and environmental

performance.
The above models dealt with the planning and environ-

mental aspects of energy production systems and did not
emphasize the role of carbon management and advanced
technologies. Numerous other researchers have developed
energy models for assessing conventional and advanced tech-
nologies and investigated the role of carbon capture and
sequestration technologies on CO2 emissions abatement for
the electric sector. These studies will be reviewed in more
details here since they are more relevant to the current study.
Rubin et al.,8 for instance, developed the integrated environ-
mental control model (IECM) to provide plant level perform-
ance, emissions, and cost estimates for a variety of environ-
mental control options for coal-fired power plants. The
model is built in a modular fashion that allows new technol-
ogies to be easily incorporated into an overall framework. A
user can then configure and evaluate a particular environ-
mental control system design. Current environmental control
options include a variety of conventional and advanced sys-
tems for controlling SO2, NOx, particulate and mercury
emissions for both new and retrofit applications. The IECM
framework now has being expanded to incorporate a broader
array of power generating systems and carbon management
options.

Rao et al.9 conducted advanced plant-level analyses of
CCS by incorporating uncertainty and variability for about
30 independent model parameters using the integrated
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environmental control model (IECM). Such an analysis con-
sidered the following effects: energy efficiency improvement,
changing fuel prices, response of electricity demand on price
changes, effect of electricity demand by incorporating
advanced power generation and CCS technologies, fuel
switching, and plant retirement. Vassos and Vlachou10 devel-
oped a model to investigate strategies to reduce CO2 emis-
sions from the electricity sector. This model enabled the
determination of optimal strategies for satisfying a limit on
CO2 emissions from the electricity sector. The model can
also estimate the cost of CO2 emission limit and the optimal
tax required to achieve the optimal strategy for reducing
emissions to a desired level. In selecting the optimal strat-
egy, the model considered commercial technologies and
other new types of technologies (i.e., new coal or lignite,
natural gas technologies with CO2 capture). John and Kelly11

reviewed the technologies that could be used to capture CO2

from the use of fossil fuels. They described three main over-
all methods of capturing CO2 in power plants; post combus-
tion capture, oxyfuel combustion, and precombustion cap-
ture. They also discussed the impacts of different CO2 cap-
ture technologies on the thermal efficiencies and costs of
power plants based on recent studies carried out by process
technology developers and plant engineering contractors.

Johnson and Keith12 proposed a linear programming (LP)
model to illustrate the importance of considering competition
between new plants with and without capture, and the eco-
nomic plant dispatch in analyzing mitigation costs. The
model results illustrate how both carbon capture and seques-
tration technologies and the dispatch of generating units vary
with the price of carbon emissions, and thereby determine
the relationship between mitigation costs and emissions
reduction. Wise and Dooley13 developed the battle carbon
management electricity model (CMEM) to explore the effect
of carbon taxes and constraints on investment and operating
decisions for new generating capacity as well as on the oper-
ation and market value of existing plants in a specific region
of the United States and across three carbon dioxide scenar-
ios. In computing the least cost decision to meet the con-
straints, the model considered the economic trade offs
among several factors, including capital costs for new plants,
capacities of existing plants, efficiencies, operation and
maintenance costs, availabilities for new and existing plants,
carbon capture and sequestration (CCS) technologies for new
plants, and CCS retrofit for existing units, natural gas and
coal prices, carbon prices resulting from the imposed CO2-
emissions constraints, and the hourly load profile of electric-
ity demand. Gielen and Taylor14 analyzed the potential role
of CO2 capture and storage for 15 world regions, using the
IEA Secretariat’s energy technology perspectives (ETP)
model. This model determined the least cost energy system
for the period 2000–2050. Emission reduction strategies
accounted for in this model included the use of renewable
energy, nuclear, energy efficiency improvements, as well as
CCS on existing and new fossil plants. The model results
indicated that electricity production from coal-fired power
plants without CCS will be ceased by 2030 and no new
coal-fired power plants without CCS should be built.

Genchi et al.15 developed a prototype model for designing
regional energy supply systems. Their model calculates a re-
gional energy demand and then recommends a most effective

combination of eleven different power supply systems to
meet required CO2 emission targets with minimum cost. The
new energy system to be installed included cogeneration sys-
tems, photo voltaic cell system, unused energy in sewage and
garbage incineration, and solar energy water supply. Linares
and Romero16 proposed a group decision multiobjective pro-
gramming model for electricity planning in Spain based upon
goal programming (GP). The objective was to minimize the
total cost of electricity generation, CO2 emission, SO2, NOx,
and radioactive waste. The model is capable of estimating the
capacity to be installed for the year 2020 under four different
social groups: regulators, academic, electric utilities, and
environmentalists. The preferences by these groups were
expressed as weights in the model that affect the different
main criteria in the objective function. Mavrotas et al.17

developed a mixed 0–1 multiple objective linear program-
ming (MOLP) model and applied it to the Greek electricity
generation sector for identifying the number and output of
each type of power unit needed to satisfy an expected elec-
tricity demand. The first objective was to minimize the an-
nual electricity production cost and the second objective dealt
with the minimization of the total amount of SO2 emissions.
However, the model did not consider CO2 mitigation and
sequestration. Bai and Wei18 developed a linear programming
model to evaluate the effectiveness of possible CO2 mitiga-
tion options for the electricity sector in Taiwan. The strat-
egies they considered included fuel alternatives, reduced peak
load, energy conservation, improving power generation effi-
ciency, and CO2 capture. They found that the combination of
reduced peak production and increased power plant efficiency
with CO2 conservation was an effective strategy to meet sig-
nificant CO2 emission reductions. Climaco et al.19 developed
techniques that incorporate multiple objective linear program-
ming and demand-side management (DSM). These techni-
ques are able to determine the minimum expansion cost by
changing the levels and forms of the electricity use by the
consumers and generated alternatives from the supply side.
The model also considered the emissions caused by the elec-
tricity production. Loulou and coworkers20–22 developed opti-
mization models to examine least-cost strategies to reduce
GHG emission using MARKAL. MARKAL is a comprehen-
sive energy-economy optimization model. This model has
been successfully applied on a multiregional basis in Canada
to evaluate trading of emission permits and electricity
exchanges between provinces. The MARKAL model was
also extended to examine the energy system in US and India
to evaluate mitigation strategies for the industrial, commer-
cial, and the residential sectors and for power plants and
transportation. The model considered a detailed description
of a region’s reference energy/environmental system (RES).
RES is a set of inputs and outputs of the energy system and
economic parameters, such as annual fixed costs, variable
costs, bounds on market shares, etc. In this manner, all
aspects of the transformation of energy to supply end-use
demands through a series of technologies by representing
technology components and demand activities are described
with detailed information. Process technologies include refin-
ery, power plants, and transportation of energy carriers within
the region.

The objective of this article is to present a fleet-wide
model that is able to determine the optimal power generation
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structure necessary to meet a given CO2 reduction target
while maintaining or enhancing power to the grid. The
model incorporates power generation and CO2 emissions
from a fleet of generating stations using a variety of fuels
(hydroelectricity, fossil fuels, nuclear, and wind). The model
does not contain turbines and electricity production is mod-
eled as a function of fuel flowrate into the boilers. Neverthe-
less, it can be used to optimize an existing fleet as well as
recommend new additional generating stations as well as
CCS retrofit on existing generating stations to meet a speci-
fied CO2 reduction target and electricity demand at the mini-
mum overall cost. The model, implemented in GAMS, can
determine the best mix of fuel, capacity for existing and new
plants and technologies for capturing CO2. The model is
also able to determine the location of carbon capture plants
that should be to put online. A case study from Canada is
used to illustrate the model.

Canada signed The Kyoto Protocol, committing to reduce
greenhouse gas (GHG) emissions by 6% compared to 1990
levels by 2012. In Ontario, Ontario power generation (OPG)
produces 75% of Ontario’s electricity from mix of energy
sources. Coal accounts for 35% of OPG’s electricity generat-
ing capacity, nuclear supplies 35%, hydroelectric 29%, and
the remaining 1% is renewable energy. As a major electric-
ity production in Ontario, OPG generated 115 TWh electric-
ity and emitted about 36.7 million tonne of CO2 in 2003,
which represents about 31% increase in CO2 emission com-
pared to the 1990 level.23,24 Furthermore, energy consump-
tion in Ontario is forecasted to grow with an average annual
growth rate of 0.9%.25 Therefore, in the case study consid-
ered in this article, three potential CO2 mitigation strategies
have been proposed which include fuel balancing (optimal
adjustment of the operation of existing generating stations to
reduce CO2 emissions without making structural changes to
the fleet), fuel switching (switching from carbon intensive
fuel to less carbon intensive fuel, e.g., coal to natural gas),
and CSS. Furthermore, since CCS is energy intensive, new
power plants to supply electricity to the grid based on
growth rate demand, as well as to eventually supply supple-
mental energy for the CO2 capture processes, are also inves-
tigated. Six categories of electricity generating technologies
are considered in order to compensate with energy penalty
due to capture process as well as to meet substantial growth
in demand. These include subcritical pulverized coal-fired
(PC), PC with carbon capture (PCþCCS), Integrated coal
gasification combined cycles (IGCC), IGCC with carbon
capture (IGCCþCCS), natural gas combined cycles (NGCC),
and NGCC with carbon capture (NGCCþCCS). The objec-
tive is to determine the best strategies to reduce emission at
certain target and satisfy substantial growth in demand in the
most economical way.

Overview of CO2 Capture in the Electricity Sector

Electricity generation is one of the major sources of car-
bon dioxide emissions, particularly coal-fired power plants.
Capture and sequestration significantly reduce CO2 emissions
from power plants. Retrofitting the existing fleet of coal-fired
plants with carbon capture could be promising given the
recent increase in natural gas prices. Retrofitting CCS on
existing natural gas plants would also possible. CCS can

reduce CO2 emissions by 85 to 95% compared to the same
processes without CCS but it is a relatively costly emission
reduction strategy.25 Furthermore, CCS required a large
amount of energy especially for regeneration. This reduces
the overall energy efficiency of power generation typically
by 10% which is a large energy penalty and results in a sub-
stantial increase in the cost of power generation by 40%
above the current level.26 There are two main options for
coal-fired power plants with CO2 capture: flue gas scrubbing
with amine solvent and oxyfuel combustion. Amine scrub-
bing is generally considered to be the most technically pro-
ven option, but also the most expensive due to the large
energy input required for solvent regeneration. Other proc-
esses like membrane separation, cryogenic fractionation, and
adsorption technologies are also possible to separate the car-
bon from the flue gases but they are even less energy effi-
cient and more expensive than chemical absorption.27 Typi-
cal chemical solvents are amine or carbonate based, such as
monoethanolamine (MEA), diethanolamine (DEA), ammo-
nia, and potassium carbonate.25 MEA is the most commonly
used for flue gas applications. The physical absorption pro-
cess typically uses a solvent such as dimethylether of poly-
ethylene glycol (Selexol) and cold methanol (Rectisol

VR
).

Because the existing coal power plants have low CO2 con-
centration (13–15% wet basis) in the flue gas, amine-based
solvents have been viewed as the potential solution to this
problem.28 On the other hand, Selexol is a better CO2 cap-
ture solvent for IGCC due to the high pressure synthesis gas.
Chemical absorption imposes an energy penalty of about 15
to 30% for natural gas and 30 to 60% for coal plants.27

Regeneration of physical solvents is not as energy intensive
as for chemical absorption, and energy penalties for IGCC
plants are about 15%.29 Thus, the incremental cost of apply-
ing capture is lower for IGCC plants than for conventional
natural gas and coal plants. The CO2 capture system is
energy intensive. The energy requirement is about 22% of
gross plant capacity, mostly for sorbent regeneration (54%)
and CO2 product compression (36%). Sorbent circulation
and fan power account for the remaining share (10%) of the
total energy consumption of a CO2 capture unit.8

Methodology

Superstructure representation

The superstructure representing a power generating fleet
and CO2 emission reduction techniques such as fuel balanc-
ing, fuel switching, and CCS is presented in Figure 1. This
is an extension to our earlier superstructure where we con-
sidered a simplified version of the current problem.30–32 The
following notation is adopted throughout this article: C, NG,
O, N, H, and A represent a set of coal, natural gas, oil, nu-
clear, hydroelectric, and alternative energy power plants,
respectively. Ci, NGi, Oi, Ni, Hi, and Ai represent existing
coal, natural gas, oil, hydroelectric, and alternative energy
power plants, respectively. Hypothetical new power plants
are represented by Nnew

i , Hnew
i , Anew

i , PCnew
i , NGnew

i , IGnew
i ,

for nuclear, hydroelectric, alternative energy, supercritical
pulverized coal (PC), natural gas combined cycle (NGCC),
and integrated gasification combined cycle (IGCC) power
plants. C-Ci, C-NGi, C-Oi, represent CO2 capture on existing
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plants, whereas C-PCnew
i , C-NGnew

i , C-IGnew
i represents CO2

capture on new fossil plants. Sequestration 1 and Sequestration
2 represent potential locations for CO2 sequestration in On-
tario. More than two locations can of course be considered.

Fuel balancing represents the technique of decreasing CO2

emissions by adjusting the operation of the fleet of existing
electric generating stations (e.g., increasing the load on exist-
ing nonfossil fuel power plants and decreasing the load on
existing fossil fuel power plants). In this case, it is desired to
determine the optimal distribution load for all power stations
to maintain electricity to the grid while reducing CO2 emis-
sion to a certain target.

The fuel switching technique represents switching from
carbon intensive fuels to lower carbon intensive fuels.

If significant amounts of CO2 emissions from fossil fuel
power plants need to be reduced, it will generally be neces-
sary to employ CO2 capture and sequestration technologies.
The superstructure takes into account CCS on existing and
hypothetical new power generating stations and also illus-
trates the supply of energy for CO2 capture processes on a
given coal plant, from the plant itself which leads to a
decrease in net plant output. Therefore, new power plants
need to be constructed to make up for this energy short-fall.
The mix of all electricity generated is injected to the grid.

Model Formulation

The objective of this problem is to determine what is the
best generating plant load distribution (existing and new),

mix of fuels, and CO2 capture processes to meet electricity
growth in demand for a given CO2 reduction target.

Two main groups of continuous variables are defined:
(1) Eij represents electricity generated/load distribution

from the ith fossil fuel boiler using fuel j (e.g., j ¼ 1 for
coal and j ¼ 2 for natural gas).
(2) Ei represents electricity generated/load distribution

from the ith existing nonfossil power plants (e.g., nuclear,
hydroelectric, alternative energy power plants, and new can-
didate power plant such as PC, IGCC, NGCC, with and
without capture). The fuel type or source of energy does
need to be specified here since the nature of the plant dic-
tates what source of energy is to be used.

Four sets of binary variables are also defined:
(1) Fuel switching (coal to natural gas) for the ith coal-

fired boiler is represented by the binary variable, Xij

Xij ¼ 1 if jth fuel is used in ith coal-fired boiler
0 otherwise

�

(2) The existence/nonexistence of ith potential new boiler
with and without capture is defined by the binary variable, yi

yi ¼ 1 if ith plant is selected
0 otherwise

�

(3) The binary variable, zik is introduced to model the
selection of kth capture process on ith existing coal-fired
boiler

Figure 1. Superstructure representing a power generation fleet.

[Color figure can be viewed in the online issue, which is available at www.interscience.wiley.com.]
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zik ¼ 1 if ith capture process is put online
0 otherwise

�

(4) Selection of sth potential location for CO2 sequestra-
tion from ith power plant is indicated by the binary variable,
wis.

wis ¼ 1 if sth location of sequestration is selected
0 otherwise

�

The formulation of the model is presented below.

Objective function

The objective of this study is to synthesize a power gener-
ation fleet and to incorporate carbon capture (CCS) on exist-
ing coal-fired power plants and construct new power plants
with or without capture to meet a given CO2 reduction target
while maintaining or enhancing electricity to the grid at a
minimum overall cost. The cost function represents the total
system cost that includes operating costs of electricity gener-
ation for the fleet of generating stations, retrofit costs associ-
ated with fuel switching from coal to natural gas, retrofit
costs for carbon capture retrofit on existing coal-fired power
plants, and capital and operational costs for hypothetical new
power plants and sequestration costs. Note that in the case
of a fossil fuel already operating on gas (j ¼ 1), there is no
retrofitting cost involved (i.e., Ri1 ¼ 0).

The objective function can be written as:

OF ¼
X
i2F

X
j

CijEij þ
X
i2NF

CNF
i Ei|fflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl}

operational cost for
existing plants

þ
X
i2Fc

X
j

RijXij|fflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflffl}
retrofit cost

þ
X
i2Pnew

Snewi Emax
i yi þ

X
i2Pnew

Cnew
i Enew

i|fflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl}
capital and operational cost
for new additional stations

þ
X
i2Fc

X
k

Scikzik þ
X
i2Fc

X
k

Cc
kEik|fflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl}

capital and operational cost
of carbon capture retrofit

þ
X

i2Fc[Pnew

X
s

Cseq
is aseqik wis|fflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl}

sequestration cost

(1)

where Cij is the electricity generation cost per MWh if jth fuel
is used in ith fossil-fuel boiler; Ci (C

new
i ) is the electricity

generation cost per MWh for ith nonfossil-fuel power plant
(ith new hypothetical boiler); Cc

k is operational cost for kth
CO2 capture process ($/MWh); Cseq

is is sequestration cost from
ith boiler to sth storage location ($/tonne CO2 captured); Ei

(Enew
i ) is the electricity generated (MWh/year) from ith

nonfossil-fuel power plant (ith hypothetical boilers); Eij is
the electricity generated (MWh/year) from ith fossil-fuel boiler
when using jth fuel; Eijk is electricity required for kth CO2

capture process (MWh/year) incorporated in ith coal-fired
boiler which running with jth fuel; Rij is the retrofitting cost for
switching ith coal-fired boiler to jth fuel (natural gas)
expressed in US$/year; Snewi is capital cost for new power
plant in $/KW; Scik is annualized capital cost for kth capture
process in $/year; eik is the fraction of CO2 capture; F is the set

of fossil-fuel boilers including coal (Fc) and natural gas (Fng);
NF is the set of nonfossil-fuel power stations, including
nuclear, hydroelectric, and wind turbine sources; and Pnew is
the set of hypothetical new boilers that includes pulverized
coal, PPC (PPCcap), integrated gas combined cycle, PIGCC

(PIGCCcap) and natural gas combined cycle, PNGCC (PNGCCcap)
with and (without capture). In the case of nonfossil-fuel plants,
no associated binary variables are defined, as the fuel type for
these plants is known a priori. Note that in the above costs, all
technology-related costs are assumed to be independent of
actual utilization. However, since the cost coefficients are
selected to correspond to each type of plant according to the
plant generating method, size, and capacity, the errors
involved with each choice are minimized. Furthermore, the
present study is not dynamic in nature and the model can be
used at different years with different cost coefficients. In this
latter case, appropriate escalation factors can be used in the
objective function to reflect changes in cost over time.

Constraints

The minimization of the objective functions represented
by Eq. 1 is subjected to the following constraints:

Energy Balance/Demand Satisfaction. The total electric-
ity injected to the grid comes from existing nonfossil power,
from new boilers (ENF

i /Enew
i ) and from fossil generating sta-

tions operating with jth fuel, Eij.

X
i2NF

ENF
i þ

X
i2Pnew

Enew
i þ

X
i2F

X
j

Eij

" #
(2a)

The supplemental energy required for CO2 capture proc-
esses, however, results in an electricity reduction/power de-
rate. As a generalization, the total energy required for a cap-
ture process on an existing boiler can be supplied from the
existing nonfossil power generation, ENF0

i , potential new boil-
ers, Enew0

i , from fossil fuel boiler itself operating with jth
fuel, E0

ij, or as energy from the grid, Gk.

X
i

X
k

Eik ¼
X
i2NF

ENF0
i þ

X
i2Pnew

Enew0
i þ

X
i2Fc

X
j

X
k

E0
ijk þ Gk

" #

(2b)

The net electricity generation for the whole fleet must be
equal to the desired total electricity demand, i.e.,

X
i2NF

ENF
i þ

X
i2Pnew

Enew
i þ

X
i2F

X
j

Eij

" #
�
X
i

X
k

Eik ¼ Demand

(2c)

Energy Balance on Capture Process. The energy require-
ment Eik of a kth CO2 capture process can be supplied from
the grid, Gk, from an lth existing nonfossil power generation,
or from new additional power plants:

Eik ¼
X
l2Pnew

X
k

Elk þ
X
i

X
j

Eijk þ Gk (3)

In the case when the energy for a CO2 capture process is
to be extracted from the steam cycle of the existing fossil
power plant itself, therefore Eq. 3 can be simplified to:

AIChE Journal December 2009 Vol. 55, No. 12 Published on behalf of the AIChE DOI 10.1002/aic 3173



Eik ¼
X
i

X
j

Eijk 8k (4)

Capacity Constraint on Capture Process.

Eik � zikE
max
k 8i 2 Fc;8k (5)

The parameter Emax
k represents the maximum supplemental

energy required for the kth capture technology. It also
ensures that the energy required for any kth capture process
is zero when no capture process is assigned to the ith coal-
fired boiler. Note that capture processes are considered to be
incorporated only on coal-fired boilers because natural gas is
less carbon intensive. zik is the binary variable that represents
the selection of the kth retrofit carbon capture process on the
ith existing coal-fired boiler.

Fuel Selection and Plant Shut-Down. For an ith fossil
fuel boiler, either the process is operating with one chosen
fuel or is shut down. This constraint is represented by intro-
ducing the binary variable, Xij that represents the fuel selec-
tion (coal or natural gas) or plant shut down:X

j

Xij � 1 8i 2 F (6)

Plant Capacity Constraints. Existing fossil fuel boilers

Eij � MXij 8i 2 F; 8j (7a)

Nonfossil power plants

Ei � M 8i 2 NF (7b)

New power plants

Ei � Myi 8i 2 Pnew (7c)

The above constraints set upper bounds on energy pro-
duced from the different electricity generating stations. They
also ensure that the energy production from fossil fuel plants
(i [ F) is zero when no fuel is assigned to the plant and a
decision of plant shut-down has been made. The parameter
M is any large number and represents an upper bound on
energy production for the ith nonfossil power plant/new hy-
pothetical boiler. M should be chosen to be the maximum in-
stallation capacity, Emax

ij for fossil fuel boilers and Emax
i for

nonfossil fuel plant and new hypothetical boilers in order to
ensure a tight formulation.

Upper Bound on Operational Changes. The electricity
generated from the ith unit cannot exceed the current elec-
tricity generation Ecurrent

i for the unit by ri (the maximum
allowable increase in the base load or reserve margin) due to
operational considerations, i.e.,

Existing fossil fuel boilers:

Eij � ð1þ riÞEcurrent
i Xij 8i 2 F;8j (8a)

Nonfossil power plants:

ENF
i � ð1þ riÞEcurrent

i 8i 2 NF (8b)

New power plants:

Enew
i � Emax

i yi 8i 2 Pnew (8c)

Emax
i is the maximum installed capacity of an ith potential new

boiler.

Comparing constraints (7b) and (8b), it is clear that both
represent an upper bound on Ei. Because constraints (8b) are
tighter, constraints (7b) are redundant and do not have to be
included in the model. Constraints (8a and 8c), on the other
hand include binary decision variables that are essential in
the model implementation, especially in the case of plant
shutdowns and to indicate existence/nonexistence of new
boilers.

Lower Bound on Operational Constraints. The annual
capacity factor for each power plant must be greater than
some minimum; otherwise the plant will be shut down.

Existing fossil fuel boilers:

fij � lijXij 8i 2 F;8j (9a)

Nonfossil power plants:

fi � li 8i 2 NF (9b)

New power plants:

fi � li yi 8i 2 NF (9c)

where lij (li) is the minimum annual capacity factor for the ith
fossil fuel boiler (nonfossil fuel plant and hypothetical new
boiler) and fij (fi) is the corresponding annual capacity factor.
The relationship between the annual capacity factor and
electricity generation is given below:

Existing fossil fuel boilers

Eij ¼ fijE
max
ij 8i 2 F; 8j (10a)

Nonfossil power plants

Ei ¼ fiE
max
i 8i 2 NF (10b)

New power plants

Ei ¼ fiE
max
i yi 8i 2 Pnew (10c)

where Emax
ij (Emax

i ) is the installed capacity of the ith fossil
(nonfossil power plants/new hypothetical boilers).

If the Existing Coal-Fired Boilers Shut Down, No Capture
Process Will Be Put Online.

zik �
X
j

Xij 8i 2 Fc (11)

This constraint is associated with constraints (7a) which
indicates that, the ith fossil fuel boilers will be shut down if
the binary variable (fuel selection variable), Xij, is equal to
0. The above constraints are to ensure that no capture pro-
cess will be put online if the coal-fired boilers are shut
down.

Selection of Hypothetical New Power Plants. In this
study, six types of technologies have been considered to sup-
ply supplemental energy for capture processes as well as to
meet growth rate demand. These technologies are supercriti-
cal pulverized coal (PC), supercritical pulverized coal with
capture (PCþCCS), integrated gas combined cycle (IGCC),
integrated gas combined cycle with capture (IGCCþCCS),
natural gas combined cycle (NGCC), and natural gas com-
bined cycle with capture (NGCCþCCS). Different boilers’
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performances and sizes for each technology can be incorpo-
rated in the model, i.e.,X

i

yi � b 8i 2 Pnew (12)

where yi represents the existence/non existence of the ith
hypothetical new boilers for every technology to supply
supplemental energy for the capture process and to inject
electricity to the grid. The parameter b represents the number
of boilers of new technology that can be incorporated in the
model. This constraint is not necessary in the model
formulation and is included only if the decision maker would
like to put a restriction on the number of new technologies to
be implemented.

Selection of CO2 Sequestration Location. For identical
coal-fired boilersX

s

wis � 1 8i 2 Fc [ PPCcap [ PIGcap [ PNGcap

(13a)

This constraint is used if only one sequestration site is to
be selected for one identical coal-fired boiler.

For coal-fired stations
Only one sequestration location will be selected for one

coal-fired stations and new power plants with capture that
consist of several identical boilers

wis þ wi0s0 � 1 8i 2 Fg [ Pnew; 8s; i0 6¼ i; s0 6¼ s

(13b)

where wis is a binary variable that indicates the selection of the
sth potential location for CO2 sequestration and Fg is coal-
fired power plants that consist of several boilers.

CO2 Sequestration Must Be Determined Once Capture
Process Is Put Online. Once carbon capture retrofit is
implemented on an ith existing coal-fired boiler or on a new
hypothetical boiler with a capture process, the sth potential
location for CO2 sequestration is determined in order to store
the CO2 captured securely and permanently.X

s

wis ¼
X
k

zik 8i 2 Fc [ PPCcap [ PIGCCcap [ PNGCCcap

(14)

Emission Constraint/CO2 Balance. CO2 emissions from
all existing coal-fired boilers and new potential boilers, ai
(million tonne/yr) are defined as below:

Existing fossil fuel boilers

ai ¼
X
j

CO2ijEij 8i 2 F (15a)

New power plants

ai ¼ CO2iEi 8i 2 Pnew (15b)

where CO2ij is the CO2 emission from an ith existing fossil
fuel boiler using the jth fuel per electricity generated and CO2i

is CO2 emission from a new hypothetical boilers (tonne CO2/
MWh). CO2ij and CO2i are calculated using basic chemical

equations that relate the production of CO2 emission to the
quantity and quality of fuel burned, i.e.,

Existing fossil fuel boilers

CO2ij ¼ 0:03667ðEFÞij i 2 F (16a)

New power plants

CO2i ¼ 0:03667ðEFÞi 8i 2 Pnew (16b)

where 0.03667 is the conversion factor from coal to CO2, EFij
is the CO2 emission factor of the ith fossil fuel station using jth
fuel and EFi is the CO2 emission factor of the ith potential new
boiler as represents below:

Existing fossil fuel boilers

EFij ¼ 1

gij

%C

HHVij

� �
8i 2 F; 8j (17a)

New power plants

EFi ¼ ð1� eikÞ
gi

%C

HHVij

� �
8i 2 Pnew (17b)

where gij is the efficiency of the ith fossil fuel boiler while
operating on jth fuel and gi is the efficiency of a potential new
boiler. %C represents the percentage of carbon content and
HHVij is the fuel higher heating value.

In constraints (16), CO2 emissions from fossil power
plants, ai will be captured in the kth capture process also can
be defined as aseqi þ areleasedi , where aseqi is CO2 captured by
the kth capture process and areleasedi is CO2 emitted to the
atmosphere. For the case of CO2 capture with kth capture
process, zik ¼ 1 and eik is the fraction of CO2 captured, i.e.,

areleasedi ¼ ai 1�
X
k

eikzik

 !
8i 2 Fc (18a)

aseqi ¼ ai
X
k

eikzik 8i 2 Fc (18b)

If no CO2 capture exists, zik ¼ 0, then all CO2 emitted
from the ith fossil fuel boilers, ai, will be released to the
atmosphere,

areleasedi ¼ ai 8i 2 Fc (19a)

aseqi ¼ 0 8i 2 Fc (19b)

Note that constraints (19a, 19b) and (20a, 20b) only apply
to existing coal-fired boilers. This case is also called carbon
capture retrofit and the binary variable, zik, indicates the ex-
istence/nonexistence of a CO2 capture process on the ith
existing coal-fired boilers. Besides CO2 emission from exist-
ing fossil fuel boilers, the new hypothetical boilers, e.g., PC,
IGCC, and NGCC with and without capture also contribute
to the total CO2 emissions. Thus, the total CO2 emission
(million tonne per year) from existing fossil fuel boilers and
new hypothetical boilers can be written as:
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X
areleasedi ¼

X
i2F

ai 1�
X
k

eikzik

 !
þ
X
i2Pnew

CO2iEi (20)

Substituting Eq. 15a into Eq. 20 will results in the follow-
ing:

X
areleasedi ¼

X
i2F

X
j

CO2ijEij

 !
1�

X
k

2ik zik

 !" #

þ
X
i2Pnew

CO2iEi ð21Þ

Annual total CO2 emissions from all existing fossil fuel
boilers and potential new boilers must satisfy a specific CO2

reduction target, %CO2.

X
i2F

X
j

CO2ijEij

 !
1�

X
k

eikzik

 !" #

þ
X
i2Pnew

CO2iEi � ð1�%CO2ÞCO2 ð22Þ

Logical Constraints. Other constraints can be imposed on
the model. These include:
• geographical/management constraint—certain power

plants are assigned to supply certain locations while other
plants cannot supply some specific locations.
• fuel or resource constraint—the fuel supply (i.e., natural

gas) is limited by pipeline capacity.
The optimization problem, therefore, consists of minimiz-

ing Eq. 1 subject to constraints (2)–(22). The model is a
mixed integer nonlinear program (MINLP). In this model,
nonlinearity comes from two sources: (1) Sequestration cost
in the objective function (Eq. 1) due to the multiplication of
the binary variable, wis (selection of sth potential location
for CO2 sequestration) with the continuous variable, Eij

(electricity generation from ith power plant using jth fuel);
and (2) The CO2 emission constraint (Eq. 22) due to the
multiplication of the binary variable, zik (selection of carbon
capture retrofit on existing coal-fired boilers) with the contin-
uous variable, Eij (electricity generation from ith power plant
using jth fuel).

The nonlinear terms can be easily linearized through the
exact linearization scheme that was described by Oral and
Kettani33 and Torres34 and the model is reduced to a mixed
integer linear program (MILP). Through this linearization
process, the objective function becomes:

OF ¼
X
i2F

X
j

CijEij þ
X
i2NF

CNF
i Ei|fflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl}

operational cost for
existing plants

þ
X
i2Fc

X
j

RijXij|fflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflffl}
retrofit cost

þ
X
i2Pnew

Snewi Emax
i yi þ

X
i2Pnew

Cnew
i Enew

i|fflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl}
capital and operational cost
of carbon capture retrofit

þ
X
i2Fc

X
k

Scikzik þ
X
i2Fc

X
k

Cc
kEik|fflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl}

capital and operational cost
of carbon capture retrofit

þ
X

i2Fc[Pnew

X
s

Cseq
is kijsCO2ijei|fflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl{zfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflfflffl}

sequestration cost

(10)

and the nonlinear constraints in Eq. 22 are transformed to:

X
i2F

X
j

CO2ijEij �
X
j

CO2ij

X
k

eikuijs

 !" #

þ
X
i2Pnew

CO2iEi � ð1�%CO2ÞCO2 ð220Þ

In the linearization process, new variables kijs and uijk are
introduced:

kijs ¼ wis:Eij (23)

uijk ¼ zik:Eij (24)

as well as more constraints:

0 � kijs � Eij (25)

Eij �Mð1� wisÞ � kijs � M:wis (26)

0 � uijs � Eij (27)

Eij �Mð1� zikÞ � u � M:zik (28)

Case Study

Currently, Ontario power generation (OPG) operates 79
electricity generating stations, 5 coal fired, C(i ¼ 1–5), 1
natural gas, NG(i ¼ 6), 3 nuclear, N(i ¼ 7–9), 69 hydroelec-
tric, H(i ¼ 10–78), and 1 wind turbine, A(i ¼ 79). At nomi-
nal levels, OPG generates about 115.8 TWh and injects it
into the grid. No CO2 capture process currently exists at any
OPG power plant; about 36.7 million tonnes of CO2 was
emitted in 2002, mainly from fossil fuel power plants. There
are 27 fossil fuel boilers at the 6 fossil fuel stations: 4 boil-
ers at Lambton (L1-L4), 8 boilers at Nanticoke (N1-N8), 8
boilers at Lakeview (LV1-LV8), 1 boiler at Atikokan (A1),
4 boilers at Lennox (L1-L4), and Thunder Bay has 2 boilers
(TB1-TB2). Currently, 4 (out of 27) boilers operated by Len-
nox are running on natural gas and the other 4 boilers are
running on coal.

To better compare the different technologies proposed in
this case study, the original parameters are adjusted to the
same economic reference, which is described in Table 1. A
summary of OPG’s current fossil fuel generating stations is
given in Table 2.

Table 1. Specification of Economic Parameters

Economic life time 30 years
Interest rate of return 15%
Fuel cost
Coal US$1.2/GJ
Natural gas US$4.0/GJ

All cost are in 2004 USD.
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The operating cost for nuclear, hydroelectric, and wind
turbine was estimated to be US$21/MWh, US$3.30/MWh,
and US$2.70/MWh, respectively. Note that, in this base year
natural gas is the most expensive fuel used by OPG which is
US$47/MWh (OPG, 2002). Since the main objective of this
article is to study CO2 emission reduction through fuel bal-
ancing, fuel switching and CO2 capture, no attempt is made
to study the effect of improved technology. Index i (i ¼ 1–
79) represents all of OPG’s power plants. The index j (j ¼

1–2) represents the fuel selection, j ¼ 1 (coal), 2 (natural
gas). The retrofit cost was estimated to be US$20 million/
1000 MW with a 30 year lifetime and 15% annual interest
rate. To translate CO2 emissions into cost, b ¼ 0.03 US$/kg
CO2 emission was assumed from the literature (ESCAP-UN,
1995).

An improvement in boiler technology will lead to an effi-
ciency higher than our assumed efficiency of 35%. We have
recently investigated the effect of efficiency enhancement

Table 2. Ontario Power Generation Fossil Fuel Power Stations

Station Fuel
Heat Rate
(GJ/MWh)

Installed
Capacity
(MW)

Number
of Units

Annual
Capacity
Factor

Operational
Cost

($/MWh)

CO2

Emission
(tonne/MWh)

Nanticoke 1 (N1) Coal 9.88 500 2 0.75 20 0.93
Nanticoke2 (N2) Coal 9.88 500 6 0.61 20 0.93
Lambton1 (L1) Coal 9.84 500 2 0.5 22 0.94
Lambton2 (L2) Coal 9.84 500 2 0.75 17 0.94
Lakeview (LV) Coal 10.8 142 8 0.25 23 0.98
Lennox (LN) NG 7.82 535 4 0.15 47 0.65
Thunder Bay (TB) Coal 11.7 155 2 0.55 20 1.03
Atikokan (A) Coal 9.82 215 1 0.44 20 1.03

Table 3. Parameters of Retrofit CO2 Capture on Existing Coal-Fired Power Plants

Parameters

N1 N2 L1 L2 LV TB A

Ref Cap Ref Cap Ref Cap Ref Cap Ref Cap Ref Cap Ref Cap

Gross capacity (MW) 512 512 512 512 515 515 515 515 150 150 163 163 230 230
Net power gen. (MW) 490 382 490 382 493 385 493 385 142 111 155 120 215 168
Heat rate, HHV (GJ/MWh) 9.88 12.7 9.88 12.7 9.84 12.6 9.84 13.1 10.8 13.8 9.82 12.5 9.82 12.5
Capacity factor, ACF 0.75 0.75 0.61 0.61 0.5 0.5 0.75 0.75 0.25 0.25 0.55 0.55 0.44 0.44
CO2 capture (%) – 90 – 90 – 90 – 90 – 90 – 90 – 90
CO2 emission (tonne/MWh) 0.93 0.09 0.93 0.09 0.94 0.09 0.94 0.09 0.98 0.09 1.02 0.11 1.02 0.11

Table 4. Cost Comparison of Retrofit CO2 Capture on Existing Coal-Fired Power Plants

Parameters

N1 N2 L1 L2 LV TB A

Ref Cap Ref Cap Ref Cap Ref Cap Ref Cap Ref Cap Ref Cap

CO2 capital cost (M$) – 236 – 236 – 238 – 270 – 290 – 86 – 121
O&M cost ($/MWh) 20 13.9 20 13.9 22 13.9 17 13.9 23 13.9 20.0 13.9 20.0 13.9
COE (¢/KWh) 2.0 4.01 2.0 4.27 2.2 4.55 1.7 4.16 2.3 8.0 2.0 5.11 2.0 5.75
Capture cost ($/tonne CO2 avoided) – 24.0 – 27.1 – 26.6 – 27.1 – 64.5 – 33.8 – 40.7

Table 5. Plant Performance for PC With and Without Capture

Plant Performance

PC Without Capture PC With Capture

PC1* PC2† PCþCCS1* PCþCCS2* PCþCCS3†

Gross plant size (MW) 500 575 500 670 710
Net power generation (MW) 458 524 341 458 492
Heat rate, HHV (GJ/MWh) 9.12 9.16 12.19 12.17 12.1
Plant efficiency, HHV 39.4 39.3 29.6 29.5 29.9
Capacity factor, ACF 75 75 75 75 75
CO2 emission (tonne/MWh) 0.919 0.89 0.122 0.122 0.118
CO2 capture (%) – – 90 90 90
CCS energy penalty (%) – – 24.9 24.9 23.9

*PC1 is a supercritical boiler equipped with SCR, ESP, and FGD, PCþCCS1 is a plant that used the same coal input as PC1 results to lower net power genera-
tion due to supplemental energy for MEA capture process, PCþCCS is a bigger plant sizes constructed so that the CO2 capture plant produces the same net
power generated as PC1.9

†PC2 and PCþCCS3 are a supercritical boiler equipped with SCR, ESP, and FGD followed by MEA system for CO2 capture, respectively.
8
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measures on the energy planning problem in a separate
study31,32 and the interested reader should consult that study
for more details. The reserve margin, ri for load distribution
for all OPG’s fleet power plants was set to 1% higher than
the current operational level due to the design constraints
and the lower bound was set to be 10%. In other words, the
plants have to operate at least with 10% annual capacity fac-
tor (ACF); otherwise the plants will be shut down. Note that
the 1% reserve margin used in this case study is only for
illustration purposes and was made in conjunction with the
desires of the OPG plant personnel.

The current estimated cost of retrofitting an existing pulv-
erized coal plants with MEA capture is about $190/tC.35

David and Herzog29 have proposed an effective way to com-
pare the mitigation costs of different plants. The mitigation
cost in $/tonne CO2 avoided with the net power generated
by the two plants remaining the same output can be calcu-
lated as:

Cost of CO2 avoided ð$=tonne CO2 avoidedÞ

¼ COEcap � COEref

CO
cap
2 � COref

2

ð29Þ

where COEcap ¼ cost of electricity for plant with carbon
capture ($/MWh); COEref ¼ cost of electricity for reference
plant ($/MWh); CO

cap
2 ¼ CO2 emission from plant with carbon

capture (tonne/MWh); COref
2 ¼ CO2 emission from reference

plant (tonne/MWh).
COE consists of three main components: COE due to cap-

ital cost, COE due to operation and maintenance (O&M),
which includes variable cost, VOM (e.g., fuel, chemicals,
utilities, waste disposal) and fixed cost, FOM (e.g., rental,
interest) and COE due to capture cost. The latter component
(COEcap) is applicable only to carbon capture retrofit on
existing coal-fired stations and potential new power plants
with capture. In this study, capital cost of all existing fossil
fuel power stations were assumed to be ‘‘paid off,’’ hence

Table 7. Plant Performance for IGCC With and Without Capture

Plant Performance

IGCC Without Capture IGCC With Capture

IGCC1* IGCC2† IGCC3‡ IGþCCS1† IGþCCS2†

Gross plant size (MW) 315 400 675 650 653
Net power generation (MW) 250 350 583 489 513
Heat rate, HHV (GJ/MWh) 7.37 7.9 8.78 10.46 9.97
Plant efficiency, HHV 48.9 45.4 41 34.4 36.1
Capacity factor, ACF 85 85 85 85 85
CO2 emission (tonne/MWh) 0.7 0.75 0.81 0.176 0.39
CO2 capture (%) – – – 80 60
CCS energy penalty (%) – – – 16.1 12.0

*Based on real plant cost from Tampa Electric, used single train includes one GE 7FA gas turbine.37
†The gasification plant consists of two gasifier trains. This includes two GE 7FA gas turbines, two HRSGs and one steam turbine. IGþCCS1 represented IGCC
with 80% CO2 capture, whereas IGþCCS2 represented IGCC with 60% CO2 capture (CO2 emission equal to that of a NGCC). Both used Selexol-based CO2

capture process36vc.
‡The same plant configuration as IGCC2 except used Westinghouse 501G gas turbine.38

Table 6. Economic Evaluation of PC With and Without Capture

Cost Parameters

PC Without Capture PC With Capture

PC1* PC2† PCþCCS1* PCþCCS1* PCþCCS2†

Plant capital cost ($/KW)‡ 1588 1413 2613 2468 2271
Cost of electricity ($/MWh)‡

Capital 36.0 32.3 59.7 56.3 51.8
O&M 2.5 2.47 18.0 18.1 18.2
Fuel 10.9 11.0 14.6 14.6 14.5

Capture cost ($/tonne CO2 avoided)
‡ – – 59.3 55.3 50.2

*PC1 is the plant reference for PCþCCS1 and PCþCCS2.9
†PC2 is the plant reference for PCþCCS3.8
‡Cost is adjusted according to standard methodology and reported in 2004 US$ using Chemical Engineering Plant Cost Indexes (Chemical Engineering Maga-
zine, 1990–2004) with coal price is US$1.2/GJ.

Table 8. Economic Evaluation of IGCC With and Without Capture

Cost Parameters

IGCC Without Capture IGCC With Capture

IGCC1 IGCC2 IGCC3* IGþCCS1* IGþCCS2*

Plant capital cost ($/KW)† 2535 2121 1860 2556 2336
Cost of electricity ($/MWh)†

Capital 51.1 42.7 37.5 43.8 40.0
O&M 8.61 6.91 5.9 7.6 7.1
Fuel 8.84 9.5 10.5 12.6 11.9

Capture cost ($/tonne CO2 avoided)
† – – – 15.8 12.3

*IGCC3 is the plant reference for IGþCCS1 and IGþCCS2.36
†Cost is adjusted according to standard methodology and reported in 2004 US$ using Chemical Engineering Plant Cost Indexes (Chemical Engineering Maga-
zine, 1990–2004) with coal price is US$1.2/GJ.
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COE for existing fossil fuel power plants (COEref) is deter-
mined only by O&M cost of the base plant. Note that, VOM
cost is dominated by fuel prices.

According to Rubin et al.,8 the energy penalty associated
with CO2 capture process can be calculated using the follow-
ing equation

Table 9. Plant Performance for NGCC With and Without Capture

Plant Performance

NGCC Without Capture NGCC With Capture

NGCC1* NGCC2* NGCC3† NGþCCS1† NGþCCS2‡

Gross plant size (MW) 334 403 517 517
Net power generation (MW) 326.1 395 507 432 750
Heat rate, HHV (GJ/MWh) 6.32 6.74 6.37 7.48 7.8
Plant efficiency, HHV 50.6 53.4 50.2 42.8 41.0
Capacity factor, ACF 85 85 75 75 85
CO2 emission (tonne/MWh) 0.398 0.377 0.404 0.047 0.037
CO2 capture (%) – – – 90 90
CCS energy penalty (%) – – – 14.7 18.3

*Plant performance is gathered from Ref. 38. The plant configuration is the same as NGCC3 except NGCC1 used Westinghouse 501G gas turbine and NGCC2
used General Electric ‘‘H’’ gas turbine.

†NGCC3 equipped with two GE-PG-7241FA gas turbines, three HRSG, and feed a single two-flow, reheat condensing GE D-11 steam turbine. NGþCCS1
equipped by amine system for CO2 capture.

8

‡NGþCCS2 used two GE 9FA gas turbine, three HRSG, and one steam turbine.

Table 10. Economic Evaluation of NGCC With and Without Capture

Cost Parameters

NGCC Without Capture NGCC With Capture

NGCC1 NGCC2 NGCC3* NGþCCS1† NGþCCS2†

Plant capital cost ($/KW)‡ 617 552 442 1437 1207
Cost of electricity ($/MWh)‡

Capital 12.4 11.1 10.1 24.6 20.7
O&M 8.1 9.37 9.3 9.7 5.3
Fuel 28.4 26.9 25.5 29.9 31.2

Capture cost ($/tonne CO2 avoided)
‡ – – – 57.1 37.5

*NGCC3 is the plant reference for NGþCCS1 and NGþCCS2.
†The only additional equipment requirement compare than NGCC3 is amine system which cost about $13.1/MWh for NGþCCS1.8 Thus, amine system cost for
NGþCCS2 is estimated using the 0.6 power law suggested by Peters et al.28 Thus, amine cost for 750 MW NGCCþCCS was $13.1/MWh (750/432)0.6.

‡Cost is adjusted according to standard methodology and reported in 2004 US$ using Chemical Engineering Plant Cost Indexes (Chemical Engineering Maga-
zine, 1990–2004) with natural gas price US$4/GJ. Gas turbine cost is based on vendor quote (World Turbine Magazine, 2004).

Figure 2. Potential injection point locations for carbon capture retrofit.

[Color figure can be viewed in the online issue, which is available at www.interscience.wiley.com.]
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EP ¼ 1� gCCS
gref

(30)

where EP is the energy penalty (fraction reduction in output),
gCCS and gref are the net efficiencies of the capture plant and
the reference plant, respectively. This energy penalty can also
be defined as the reduction in plant output for a constant fuel
input and is often called ‘‘plant derating.’’ For the case of CCS
retrofit on existing coal-fired power plant, the energy penalty
was assumed at 22% as suggested by Rubin et al.8 The details
of existing coal-fired stations with and without capture
characteristics are shown in Table 3. ‘‘ref’’ represents existing
coal-fired power plant characteristics, whereas ‘‘cap’’ repre-
sents the plant performance once CCS is incorporated.

The cost estimation of retrofit carbon capture on
existing coal-fired power plant is estimated based on the
calculations performed by Rubin et al.8 and is presented in
Table 4.

New state-of-the-art PC, IGCC, and NGCC with and with-
out capture cost estimation for different sizes required a
standard methodology and the same economic assumption.
In this study, the performances of power plant were obtained
from the literature.8,36,37 Data for new supercritical PC
power plants without capture at two different capacities (500
MW, 575 MW) and with capture at three different capacities
(500 MW, 670 MW, 710 MW with 90% CO2 capture) were
obtained from Rubin et al.8 reported in 2001$US. On the
other hand, plant performance and cost (mid 2001US$) for a
250 MW IGCC was gathered from real plant data.37 Two
different plant designs and cost estimation of IGCC with
capture (500 MW with 80% CO2 capture and 513 MW
IGCC with 60% CO2 capture) were based on a study by
Ordorica-Garcia et al.36 The plant performance for NGCC
without capture of two different plant sizes (326 MW, 395
MW) were obtained from Parson38 and for 517 MW from
Rubin et al. (2004). Plant characteristics for two different

Table 12. Economic Evaluation of CO2 Sequestration in Lake Erie

Length of
Pipeline (km)

No. of
Injection Wells

Total Capital
Cost (US$M)

Operating Cost
(US$M/yr)

Storage Cost
(US$/ton CO2 storage)

Nanticoke 110 9 249 19 13
Lambton 125 9 264 20 14
Lakeview 250 3 361 27 63
Thunder Bay 1100 3 1213 91 187
Atikokan 1300 4 1419 106 155
New plants 110 7 244 18 15
PCþCCS1 110 10 255 19.1 12
PCþCCS2 110 11 261 19.5 11
PCþCCS3 110 9 252 18.9 12
IGCCþCCS1 110 10 253 19.0 12
IGCCþCCS2 110 4 227 17.0 28
NGCCþCCS1 110 5 234 17.6 20
NGCCþCCS2

Table 11. Properties and Economic Assumption for CO2 Sequestration

Item Properties Range of Unit Cost (US$/m) Representative Unit Cost (US$/m)

Pipeline Diameter ¼ 16 in./406 mm 1000–2250 (offshore) 1,000
750–1000 (onshore)

Injection wells Depth of well ¼ 1000 m 3000–6000 4,500
Off shore platform No. of off shore platforms ¼ 1 4,000,000 4,000,000

Depth of platform ¼ 25 m

Table 13. Economic Evaluation of CO2 Sequestration in Lake Huron

Length of
Pipeline (km)

No. of
Injection Wells

Total Capital
Cost (US$M)

Operating
Cost (US$M/yr)

Storage Cost
(US$/ton CO2 storage)

Nanticoke 400 9 539 40 29
Lambton 325 9 464 35 25
Lakeview 300 3 411 31 72
Thunder Bay 600 3 713 54 110
Atikokan 1000 4 1119 84 123
New plants 400 7 534 40.0 33
PCþCCS1 400 10 545 40.9 25
PCþCCS2 400 11 551 41.3 22
PCþCCS3 400 9 542 40.7 26
IGCCþCCS1 400 10 543 40.7 26
IGCCþCCS2 400 4 517 38.8 64
NGCCþCCS1 400 5 524 39.3 44
NGCCþCCS2
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sizes of NGCC with capture (517 MW and 750 MW with
90% CO2 capture) were also obtained from Rubin et al.8 and
Narula et al.,39 respectively. Finally, the costs of all pro-
posed new power plants were adjusted with the same eco-
nomic assumption and reported in 2004US$ using Chemical
Engineering Plant Cost Indexes (Chemical Engineering Mag-
azine, 1990–2004) with coal price of US$1.2/GJ and natural
gas price of US$4/GJ. Tables 5–Table 10 summarize the
plant performance and cost comparison for all new hypothet-
ical power plants with and without capture.

For CO2 capture on existing coal-fired boilers, absorption
with MEA was the only option considered. On the other
hand, for new power plants with capture, two possible CO2

recovery techniques have been considered: MEA for PC and
NGCC while Selexol-based CO2 capture was chosen for
IGCC with capture. According to Herzog et al. (2002),
NGCC have the highest energy requirement for CO2 capture
process (0.354 KWh/kg of CO2 processed) due to the low
content of CO2 in the flue gas compare to PC plants (0.317
KWh/kg of CO2 processed). The model in this case study
excluded the addition of new nuclear, renewable energy, and
hydroelectric capacity.

Two possible CO2 sequestration sites were identified in
Southwestern Ontario by Shafeen et al.40 One is located in
the southern part of Lake Huron and the other is located
inside Lake Erie. In his case study, these locations are con-
sidered in the superstructure of possible alternatives. Accord-

ing to the study by Shafeen et al.,40 depending on the depth
and availability of the formation rock possible sequestration
areas are divided into two zones identified as northern zone
and southern zone. The northern zone (NZ) consists of lower
half of Lake Huron and the upper most part of the Lambton
county. The southern zone (SZ) consists of the northern half
of Essex county, southern half of Lake Clair, lower half of
Kent, lower half of Elgin, southern part of Haldimand-Nor-
folk county, and the area inside lake Erie south of these
counties. Figure 2 illustrates the two potential locations for
CO2 storage and the distance from CO2 emission sources for
CCS retrofit on existing coal-fired power plants. The distan-
ces from new hypothetical power plants to these two possi-
ble injections points are estimated in a similar fashion.

The annual emissions of the potential new power plants
will be at most 20 million tonne of CO2, with a maximum
flow rate in the range 300 to 600 tonne/h of CO2 per power
plant. In addition, the existing OPG fossil-fuel power plants
will emit at most 36.7 million tonnes. At this rate, it can be
estimated that if all the CO2 is to be sequestered in reser-
voirs located in northern zone (NZ) and southern zone (SZ),
and as a worst case scenario it would take only 7 to 10 years
before the capacity of the reservoirs are used up.

Carbon capture and storage involves three stages: (1) cap-
ture of CO2 from the power plant, (2) transportation of the
CO2 to the storage site, and (3) injection into the geological

Figure 4. OPG’s fossil-fuel electricity generation by
plants in 2002.

Figure 3. Cost of electricity as a function of % growth
demand and CO2 reduction level.

Figure 6. Optimal electricity generation for fossil fuel
plants and 6% CO2 reduction.

Figure 5. Optimal electricity generation for fossil fuel
plants and 3% CO2 reduction.
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reservoir. The cost of transportation includes the capital cost
for the pipeline. The cost of pipeline varies depending on
the onshore or offshore location. An off shore line is about
three times more expensive than that of an on shore line.41

However, in this study, the distance of CO2 transportation
(from CO2 emission sources to a disposal site) is assumed as
‘‘crow flies’’ regardless of off shore or on shore location.
The cost of pipeline is assumed to be equal for on shore and
offshore at $1000/m. The cost of storage includes the cost of
the injection system including the injection wells and plat-
forms. Storage cost for off shore reservoirs are also typically
double the price of the on shore one.42

The capacity approximation of an injection well can be
calculated from the flow rate of CO2 into the reservoir. A
simple model used by reservoir engineers can be utilized to
estimate the preliminary flow rate.42–44

qs ¼ qr
qs

� 2pkh

In re
rw

� �
l
� DP (31)

where qs is flow rate (Nm3/s), qr is the density of the gas
mixture of CO2 and N2 under reservoir conditions (700 kg/
m3), qs is density of the gas under standard conditions (1.95
kg/Nm3), k is permeability of the reservoir (25 � 10�15 m2), h
is the thickness of the reservoir (31 m), rw is the radius of the
well (m), re is radius of the influence sphere of the injection
well (m), l is viscosity of CO2 at the well bottom (5 � 10�5

Pa s), and DP is the pressure difference between reservoir and

well bottom pressure (1.71 � 106 Pa). The approximate
injection capacity per injection well estimated as 0.68 � 106

Nm3/day (1335 ton/day). The number of injection wells
required according to CO2 emission rate for existing coal-fired
stations and new hypothetical power plants and the CO2

sequestration cost estimation are based on the study by
Shafeen et al. (2004) as shows in Tables 11–13, respectively.

Results and Discussion

This section will discuss two main results: (1) The change
in cost of electricity (COE) as a function of CO2 emission
reduction by fuel balancing, fuel switching or capturing and
(2) the effect of CO2 reduction on distribution of electricity
generation for existing and new plants for base load demand,
low growth demand (1% growth rate), medium-growth (5%
growth rate), and high-growth (10% growth rate).

Cost of electricity as a function of CO2 reduction

Figure 3 shows the effect of CO2 reduction on cost of
electricity. As can be seen, increasing the CO2 emission
reduction would result in an increase in the cost of generat-
ing electricity. Currently, OPG electricity cost is 2.36¢/KWh
which represents 0% CO2 reduction. The optimization results
show that fuel balancing can contribute to the reduction of

Figure 7. Optimal electricity generation for fossil fuel
plants and 20% CO2 reduction.

Figure 8. Optimal electricity generation for fossil fuel
plants and 40% CO2 reduction.

Figure 10. Effect of electricity demand growth on dis-
tribution of electricity generation for 20%
CO2 reduction.

Figure 9. Optimal electricity generation for fossil fuel
plants and 60% CO2 reduction.
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Figure 11. Effect of electricity demand growth on dis-
tribution of electricity generation for 40%
CO2 reduction.

Figure 12. Effect of electricity demand growth on dis-
tribution of electricity generation for 60%
CO2 reduction.

Figure 13. Effect of increasing natural gas prices on CO2 mitigation strategies for different electricity demand
growth.
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CO2 emissions by only 3%. Fuel balancing also results in a
reduction of cost of electricity to 2.32¢/KWh by reducing
electricity generation from all four natural gas boilers by
32.1% and two coal-fired boilers by 33.4% and 59.4%,
respectively. The electricity generation from other fossil fuel
boilers and nonfossil fuel power plants were increased by
1% above the nominal operational level to maintain the elec-
tricity to the grid. However, if CO2 emissions are to be
reduced beyond 3% (e.g., 20% for Canada Kyoto Target),
more stringent measures that include fuel switching, plant
retrofitting and CO2 capture will have to be used. The opti-
mization results show that the electricity generation from the
LN4 natural gas boiler need to be reduced by 32.1%, and
that of LN2 by 4.1%. In addition, eight coal-fired boilers
(L1,L2,L3,L4, N7,N8,LV3,TB1) need to be switched to natu-
ral gas resulting in an increase of cost of electricity of about
7.1%. Finally, the other coal-fired boilers and nonfossil fuel
power plants increase the electricity generation by 1% higher
than the nominal operational level to meet the electricity

demand. For the case of 60% CO2 reduction, the cost of
electricity is increased by 28.3% since 4 new natural gas
boilers with capture are put online to compensate the reduc-
tion in electricity output due to shut down of all 8 Lakeview
boilers, 2 Lambton boilers (L1, L2), and 2 Nanticoke boilers
(N7, N8) as well as to achieve greater CO2 reduction.

Effect of CO2 reduction on electricity
demand distribution

Figures 4–9 illustrate the electricity distribution for the
base case, a 3, 6, 20, 40, and a 65% CO2 reduction target in
order to meet current electricity demand. The base case repre-
sents OPG’s current operational level. As can be seen,
increasing CO2 reduction target leads to switching more coal-
fired boilers to natural gas. New power plants with and with-
out capture must also be added to the resource mix to meet
the electricity demand requirement. Among the options,
NGCC is more favorable although the average coal prices are

Figure 14. Effect of increasing coal prices on CO2 mitigation strategies for different electricity demand growth.
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projected to fall throughout the forecast due to lower capital
costs, higher fuel efficiency, and lower CO2 emissions.

Figure 10 shows the electricity distribution for the base
case (0), the optimized base case (0 þ opt), a 1, 5, and 10%
electricity demand growth rate for 20% CO2 reduction. Fig-
ures 11 and 12 show similar results for 40 and 60% CO2

reduction levels, respectively. New plants with and without
CCS will compete with existing plants that have been paid

off but remain competitive due to lower overall cost. Figure

10 shows that a 20% CO2 reduction while meeting current

electricity demand could be achieved by implementing fuel

balancing and by switching coal-fired boilers to natural gas.

However, as demand increases ([5.0% growth rate demand),

it becomes necessary to switch more coal-fired boilers to

natural gas and also to built new NGCC and NGCCþCCS

to replace the aging coal-fired power plants and increase the

electricity generation of nonfossil power plants by 1% higher

than the nominal operational level to meet the electricity

demand.

For the case of 40% CO2 reduction (Figure 11), the opti-

mization results show that most of the coal-fired boilers are

switched to natural gas (i.e., replacing all 8 Lakeview boilers

with a new NGCC and NGCCþCCS). To achieve a higher

growth rate, it becomes necessary to build four new plants:

two NGCC, two NGCCþCCS and to implement carbon cap-

ture retrofit on the Nanticoke (N1) coal-fired power plant

which is the largest coal-fired boiler in the fleet and is con-

sidered as the largest CO2 emitter. The electricity generation

of the other coal-fired power plants and nonfossil power

plants needs to be increased by 1% higher with respect to

the nominal operational level in order to meet the growth in

electricity demand.

If greater than a 60% CO2 reduction is required (Figure
12), the optimization results show that it is necessary to
build new plants and carbon capture retrofit on existing coal-
fired boilers. Among the attractive options are NGCC,
NGCCþCCS, and IGCCþCCS. Finally, the other coal-fired
boilers and nonfossil fuel power plants increase the

Figure 15. Effect of retrofit cost on CO2 mitigation strategies different electricity demand growth.
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electricity generation by 1% higher than the nominal opera-
tional level in order to meet the growth in electricity
demand.

Sensitivity Analysis

In this section, the effects of natural gas, coal price, retro-
fit costs, CO2 avoidance cost, and new power plants capital
cost on the configuration of the power plant fleet are studied.
As discussed earlier, for the cases 6, 20, and 40% CO2 emis-
sion reduction, fuel switching from coal to natural gas repre-
sents a cheaper option than CCS on existing coal-fired sta-
tions. Hence, to examine the sensitivity with regard to cap-
ture cost, the case of 60% CO2 emission reduction was
chosen.

The sensitivity analysis of the above five major parameters
was carried out for four different scenarios: 0% (base load
demand), 1, 5, and 10% growth in demand. The ranges in
the parameters that were considered include:
(1) Natural gas price (10% and þ100% higher than base

case natural gas price)

(2) Coal price (þ10% and þ100% higher than base case
coal price)
(3) Retrofit cost (�10%, �50%, þ10%, and þ 50% from

base case retrofit cost)
(4) CCS cost (�10%, �50%, þ10%, and þ50% from

base case CO2 avoidance cost)
(5) New plants capital cost (�10%, �50%, þ10%, and

þ50% from the base case capital cost for new power plant)
Figures 13–16 show all 27 current boilers divided into six

groups, which correspond to the existing six fossil fuel gen-
erating stations followed by another six groups of hypotheti-
cal state-of-the-art new power plants. The power plants in
the different groups are as described in Tables 2–9. The
black dots, white dots, and black dots encircled by a square
represent coal-fired boilers, natural gas boilers, and CCS
implemented on existing coal-fired boilers, respectively. The
first column in each figure represents the current operation
without a CO2 emission target. The second column illustrates
the optimized current operation. The nest three columns
show the optimal fleet configurations for a 1, 5, and a 10%
growth in demand.

Figure 16. Effect of capture cost ($/tonne CO2 avoided) on CO2 mitigation strategies for different electricity
demand growth.
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Sensitivity to natural gas price

Future natural gas price is highly uncertain (Figure 13).
According to New York Mercantile Exchange (NYMEX,
2005), the average annual natural gas price for 2005 is pre-
dicted to be US$5.7/GJ. In comparison, the reference gas
price used in this study was US$4/GJ.

The volatility of natural gas prices provided a significant
impact on the configuration of power plants as illustrated in
Figure 13. In order to achieve 20% CO2 reduction for base
natural gas price, fuel balancing, and switching from coal to
natural gas is the least cost option compared to CCS. The
same optimal solution is obtained if natural gas price is
increased slightly to 10% higher than the baseline. However,
for a 100% increase in natural gas price and a 10% demand
increase, the construction of IGCC with capture becomes
favorable and the optimization process recommends that the
biggest coal boilers continue to use coal (e.g., four out of
eight Nanticoke coal-fired boiler that has been switched to
natural gas for the 1% demand increase case should continue
to burn coal for the 10% demand increase situation). In addi-
tion, the incorporation of carbon capture retrofit on existing
coal-fired power plant becomes increasingly attractive. This
is expected because fuel price is the main variable affecting
the COE in natural gas power plant.

Sensitivity to coal price

The variation of coal price has a less significant impact on
the optimal configuration of power plants at lower growth in
demand if the coal price is increased slightly as illustrated in
Figure 14. For instance, a similar pattern as for the base case
scenario is observed for a 10% increase in coal price at base
load, 1 and 5% increase in demand. However, if the coal
price increases significantly at a higher growth in demand,
coal-fired boilers shift toward an increasing use of natural
gas. For instance, at a 10% growth in demand and a 100%
coal price increase, the optimization favors switching 20 out
of 23 coal-fired boilers to natural gas and constructing more
NGCC rather than IGCC power plants.

Sensitivity to retrofit cost of fuel switching

The optimal fleet configuration is less sensitive to the ret-
rofit cost in the range of �10% to �50% from base retrofit
cost as illustrated in Figure 15. A similar pattern as for the
base case scenario (20% CO2 reduction at coal price is
US$1.2/GJ) is observed for different demand growth.

Sensitivity to capture cost

The optimal fleet configuration significantly changes by
varying the cost of CO2 avoidance by �50% but the same
optimal configuration is maintained if the cost of CO2 avoid-
ance changes slightly (i.e., by only �10%) (Figure 16). As
the price of CO2 avoidance rises, adding CO2 capture retrofit
on existing coal-fired power plants becomes less attractive.
Therefore, the number of new power plant required to make
up the electricity short fall caused by energy penalty once a
CO2 capture process is incorporated is reduced. For instance
at 10% increase in growth in demand and 50% increase in
CO2 avoidance cost, the optimization process recommended

to put 6 carbon capture processes on L1, N1, N3, N4, N5,
N6 and only 8 new NGCC and 2 NGCC with capture com-
pared to 7 carbon capture retrofits on L1, L2, N1, N2, N3,
N4, N5, and 9 NGCC and 2 NGCC with capture for the
base case. Nevertheless, decrease in CO2 avoidance cost by
50%, results in an increase in the number of CCS implemen-
tation.

Sensitivity to new plant capital investment

Varying the price of new plant capital cost by �50% from
the base price results in different optimal fleet configurations
(Figure 17). As the capital cost of new power plants is
increased by half of the baseline price, NGCC power plants
become more favorable than IGCC power plants because of
the lower capital costs, higher fuel efficiency, and lower
CO2 emissions. On the other hand, if the capital cost of new
power plants is reduced by 50%, constructing new power
plants becomes a more competitive alternative than fuel
switching. The patterns remain unchanged if the cost of new
power plants changes only by �10%.

Conclusions

This article presented a fleet-wide model of the electricity
sector that can be used to determine the optimal structure
necessary to meet CO2 reduction targets while maintaining
or enhancing power to the grid. The model incorporated
power generation and CO2 emissions from a fleet of hydro-
electric, fossil fuel, nuclear, and wind-based generating sta-
tions. The model was used to optimize an existing fleet, rec-
ommend new additional generating stations as well as CCS
retrofit on existing generating stations to meet a specified
CO2 reduction target and electricity demand at the minimum
overall cost. Three mitigation options were considered: fuel
balancing, fuel switching, and carbon capture and storage on
existing coal-fired power plants. Both, fuel switching and
retrofitting CO2 capture on existing coal-fired power plants
involve structural changes to the existing fleet. Four different
scenarios were examined: (1) base-load demand, (2) a 1%
growth in electricity demand, (3) a 5% growth in electricity
demand, and (4) a 10% growth in electricity demand. The
model is capable of determining the best mix of fuel, annual
capacity factor for existing power plants, location and size
of CO2 capture process and finally, the construction of new
state-of-the-art power plants, such as supercritical pulverized
coal (PC), integrated gas combined cycle (IGCC), or natural
gas combined cycle (NGCC) with and without CO2 capture.

This optimization problem is a mixed integer nonlinear
model (MINLP). An exact linearization method was used to
reformulate the MINLP as an MILP. The model was imple-
mented in GAMS and was applied to a real case study
obtained from Ontario power generation (OPG).

The optimization results for maintaining current electricity
demand by OPG showed that fuel balancing could contribute
up to 3% CO2 reduction by increasing all nonfossil fuel
power plants by 1% above the nominal operation level,
while reducing electricity generation from all four natural
gas boilers (the most expensive fuel) by 32.1%. To meet the
electricity demand, the optimization suggested increasing all
coal power plants by 1% above the nominal annual capacity
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factor. This resulted in a decrease of COE by 1.2% com-
pared to the current situation (1.57¢/kWh).

However, if CO2 emissions are to be reduced by more
than 3%, more stringent measures that include fuel switching
and retrofitting carbon capture on existing coal-fired boilers
had to be used. For instance, to achieve 6% CO2 reduction
(Canada’s Kyoto target), the largest coal-fired boilers, Nanti-
coke (N2), needed to be switched to natural gas. In addition,
electricity generation from all four existing natural gas boil-
ers was reduced by 32.1%. Finally, electricity generation
from the other coal-fired boilers and nonfossil fuel power
plants needed to be increased by 1% higher than the nominal
operating level. For this scenario, COE is the same as the
base case without optimization, which is 1.57¢/KWh.

To achieve greater CO2 emission reduction (e.g., 60% CO2

reduction) and generating current electricity generation, the
optimization suggested the implementation of CO2 capture on
existing Nanticoke boiler (N1) and put on stream eight new
NGCC (two 334 MW, three 403 MW, three 517 MW) and
one NGCC with capture (750 MW) resulting in a COE of
2.44¢/kWh. The results also show that, as the electricity
demand increases, larger CO2 capture processes became
required. For instance, to achieve 60% CO2 reduction at 10%
growth in demand requires 5.9% larger CO2 capture proc-
esses compared to the 0% growth in demand and 4.2% larger
than the 1% growth in demand. In this latter case, besides
CCS retrofit at Nanticoke, the optimization process also
chose to implement CO2 capture at Lambton power plants. In
addition, nine NGCC (three 334 MW, three 403 MW, three
517 MW) and two 750 MW NGCC with capture needed to
be constructed to meet significant increases in demand and
also to supply the supplemental energy for CO2 capture proc-
esses. The optimization also recommended to store the cap-
tured CO2 in Lake Erie. This will result in more than dou-
bling the COE compared to the base case (3.37¢/kWh).

Acknowledgments

The authors thank Ontario Power Generation (OPG) for their financial
and technical support towards this opportunity to contribute to the aca-
demic study of CO2 capture. The information expressed herein is that of
the authors and OPG takes no position on CO2 capture and is simply
furthering scientific endeavors. This study was also partially supported
by the Natural Sciences and Engineering Research Council of Canada
(NSERC).

Notation

Xij ¼ binary variable representing fuel selection
yi ¼ binary variable representing existence/nonexistence of new

power plants
zik ¼ binary variable representing selection of possible capture

processes
wis ¼ binary variable representing selection of potential

sequestration locations
C ¼ set of coal energy power plants

NG ¼ set of natural gas energy power plants
O ¼ set of oil energy power plants
N ¼ set of nuclear energy power plants
H ¼ set of hydroelectric energy power plants
A ¼ set of alternative energy power plants

C-Ci ¼ CO2 capture for ith coal-fired boilers
C-NGi ¼ CO2 capture for ith natural gas
C-Oi ¼ CO2 capture for ith oil boiler
Nnew
i ¼ potential new nuclear power plant

Hnew
i ¼ potential new hydroelectric power plant

Anew
i ¼ potential new alternative energy power plant

C-PCnew
i ¼ CO2 capture for ith pulverized coal power plant with/

without capture
C-NGnew

i ¼ CO2 capture for ith natural gas combined cycle with/
without capture

C-IGnew
i ¼ CO2 capture for ith integrated gas combined cycle with/

without capture
Seq 1,2 ¼ potential sequestration location 2
PCnew

i ¼ potential ith new pulverized coal power plant with/without
capture

NGnew
i ¼ potential ith new natural gas combined cycle with/without

capture
IGnew

i ¼ potential ith new integrated gas combined cycle with/
without capture

Carbonij ¼ % of carbon of jth fuel in plant i
CapFi ¼ capacity factor of ith type power plant
Cnew
i ¼ operating cost per unit electricity generated for new

additional power plants, $/MWh
CNF
i ¼ operating cost per unit electricity generated for nonfossil

plants, $/MWh
Cseq
i ¼ sequestration cost per tonne CO2 captured, $/tonne CO2

captured
Cij ¼ operating cost per unit electricity generated for fossil-fuel

boilers running with j fuel, $/MWh
Cc
k ¼ operating cost per unit electricity generated for capture

process, $/MWh
CO2i ¼ CO2 emission per unit electricity generated from new power

plants, tonne/MWh
CO2ij ¼ CO2 emission per unit electricity generated from fossil fuel

boilers, tonne/MWh
COEcap ¼ cost of electricity for plant with carbon capture ($/MWh)
COEref ¼ cost of electricity for reference plant ($/MWh)
CO

cap
2 ¼ CO2 emission from plant with carbon capture (tonne/MWh)

COref
2 ¼ CO2 emission from reference plant (tonne/MWh)

Ecurrent
i ¼ current fleet electricity generated
Enf
i ¼ electricity generation from ith nonfossil power plants,

MWh/yr
Enew
i ¼ electricity generation from ith new power plants, MWh/yr
Eij ¼ electricity generated from ith fossil fuel boilers operating

with j fuel, MWh/yr
Eik ¼ electricity required of kth capture process, MWh/yr
Elk ¼ electricity generation from lth new power plants
EFi ¼ emission factor from ith new power plants
EFij ¼ emission factor for plant ith fossil fuel boilers running with

j fuel
Emax
i ¼ maximum electricity generated from ith nonfossil and new

power plant, MWh/yr
Emax
ij ¼ maximum electricity generated from ith fossil fuel boilers

running with j fuel, MWh/yr
Emax
k ¼ maximum supplemental energy required for kth capture

technologies, MWh/yr
Enom ¼ nominal electricity generated from ith type power plant,

MWh/yr
fij ¼ fossil power plants annual capacity factor
fi ¼ new and nonfossil power plants annual capacity factor

Gk ¼ electricity from the grid to supply kth capture process,
MWh/yr

HHVij ¼ high heating value of jth fuel at plant i, MJ/tonne
lij ¼ minimum annual capacity factor for ith fossil fuel boilers

running with j fuel
li ¼ minimum annual capacity factor for ith nonfossil fuel boiler

or new power plant
M ¼ big number
N ¼ number of power plants
Rij ¼ retrofit cost ($/yr)

Snewi ¼ capital cost for a new power plant per electricity installed
($/KW)

Scik ¼ capital cost for capture technology ($/KW)

Greek letters

gi ¼ power plant efficiency
eik ¼ percent of CO2 capture
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ai ¼ CO2 emission (tonne/yr)
aseqik ¼ CO2 emission to be sequestrate (tonne/yr)

areleasedik ¼ CO2 emission release to the atmosphere (tonne/yr)

Abbreviations

CCS ¼ carbon capture and storage
COE ¼ cost of electricity
FGD ¼ flue gas desulphurization

GAMS ¼ general algebraic modeling system
HHV ¼ high heating value
IESO ¼ independent electricity market operator
IGCC ¼ integrated gas combined cycle
MEA ¼ monoethanolamine
MILP ¼ mixed integer linear programming

MINLP ¼ mixed integer nonlinear programming
NGCC ¼ natural gas combine cycle
OCAA ¼ Ontario clean air alliance
OPG ¼ Ontario power generation
PC ¼ pulverized coal power plants

SCR ¼ selective catalytic reduction
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